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EXECUTIVE SUMMARY

The objective of this work was to perform technoeconomic analysis (TEA) of hybrid options that
could be integrated with light-water reactor (LWR) nuclear power plants (NPPs) in order to improve the
viability and sustainability of existing LWRs through product diversification by using nuclear energy, not
only to produce grid electricity, but also to produce carbon-free products, such as hydrogen, ammonia, or
synthetic fuels. Much of the analysis herein could be generally applied to any LWR (high-temperature
steam electrolysis [HTSE] design), but potential hydrogen demand and the optimization of the HTSE was
completed with specific collaboration and data from Xcel Energy’s Prairie Island (P1) and Monticello
Nuclear Generating Stations and the surrounding market and logistics potential in the greater Minneapolis
region. Xcel Energy has set aggressive goals with regards to decarbonization, including an 80% reduction
in CO; emissions from 2005 levels by 2030 and 100% carbon-free energy by 2050. Other TEASs regarding
hydrogen production with nuclear energy have been completed in collaboration with other utility
companies previously. Besides being the first TEA in this regard specific to Xcel Energy and the
surrounding markets and logistics, this TEA adds to previous work by providing the most up-to-date and
state-of-the-art HTSE modeling and optimization of the hydrogen-production plant integrated with
nuclear power.

This work has developed the following analyses and conclusions:

e Potential hydrogen market analysis of the greater Minneapolis region and Lifecycle CO,
emissions analysis of various hybrid product options that can be integrated with an LWR and
produced using carbon-free nuclear energy, including:
= Hydrogen use in fuel-cell electric vehicles versus conventional transportation fuels.

= Co-firing of hydrogen in a 30 vol% mixture with natural gas in combustion turbine power plants
versus 100% natural gas firing.

= Hydrogen use in petroleum refineries as an alternative to steam methane reforming (SMR).
= Hydrogen use in direct reduced iron steel-making process versus conventional coke usage.
= Hydrogen use in ammonia production versus conventional SMR.

= Hydrogen and CO; feedstock to synthetic fuels processes versus conventional transportation
fuels.

o Detailed state-of-the-art process design and financial analysis of hydrogen production via
HTSE integrated with an LWR NPP.

e Optimization of the NPP-HTSE plant in a regulated grid environment where HTSE capital
expenses (CAPEX), HTSE capacity (hydrogen demand), and a possible hydrogen-production tax
credit (PTC) are used as optimization variables and where the NPP can dispatch electricity to either
the grid or to the HTSE plant, depending on the locational marginal pricing (LMP) forecast. An
“envelope of profitability” to show conditions under which the NPP-HTSE can be profitable is
presented.

e Modeling of use case analysis of carbon-free hydrogen produced from nuclear energy such as:
= Blending of hydrogen in 30 vol% blend

= Delivery of hydrogen via compression versus liquefaction
= Ammonia production
= Synthetic-fuels production (diesel and jet).

Figure E-1 shows an overview of the HTSE and NPP generic design integration with heat off-take via
a thermal delivery loop (TDL) from the NPP to the HTSE as designed in the analysis in this report. It is
recognized that various iterations of designs for thermal power extraction are being studied, and this
configuration may not be the optimal final design. Other design options not included in this report could
include removing heat from other areas and adding condensate return to the first NPP feedwater heater



versus the condenser. These alternate design options could prove to be less expensive and more efficient
and will be the topic of future studies.

Figure E-1. Overview of HTSE Integrated with an NPP. Equipment added to the NPP include the steam
slipstream from the turbine inlet, the TDL, the HTSE hydrogen plant and associated water and electricity
supply tie-ins.

A static steady-state levelized cost of hydrogen (LCOH) analysis advanced case, shown in
Figure E-2, shows that for a 347 tonne/day hydrogen plant (roughly the size of the output of the
Monticello NPP), an NPP-HSTE can produce hydrogen competitively with SMR if the electricity price is
just above $20/MWh with no CO; credit and assuming a modified 2021 AEO West North Central (WNC)
region reference natural gas price case. NPP-HTSE can only be competitive with SMR at $30/MWh
electricity price if a hydrogen production credit is considered. The advanced case assumes a lower solid-
oxide electrolyzer cell (SOEC) stack cost than the base case, which is based on the Hydrogen Fuel Cell
Technology Office (HFTO) current record. This lower stack cost is based on publicly calculated
information on state-of-the-art improvements in SOEC capital costs from various vendors.
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Figure E-2. LCOH of 347 tonne/day HTSE base and advanced cases versus 342 tonne/day SMR with $0,
$25/tonne, and $100/tonne CO; cost. The HTSE LCOH includes a $0.16/kg adder for the cost of
transporting hydrogen product to an off-site customer. SMR natural gas feedstock pricing based on
Modified 2021 AEO West North Central (WNC) Region Reference Case.

From the optimization analysis, Figure E-3 shows the variation of the optimization variables HTSE
CAPEX, HTSE capacity (H, demand), and a clean hydrogen PTC where an NPP-HTSE plant could be
profitable based on the analysis assumptions in this report. The dashed lines represent the high HTSE
CAPEX case represented by the HFTO Record and the low HTSE CAPEX represented by the advanced
case discussed in this report. Figure E-3a shows the envelope of profitability for Prairie Island.



Figure E-3a. HTSE CAPEX (total capital investment), H, Demand, carbon-free hydrogen credit and their
effect on Anet present value (NPV) for the NPP-HTSE plant versus business-as-usual (BAU) at Prairie
Island. For reference, using the full two reactors of output from PI could produce up to 29,290 kg/hr (703
tonne/day) of H; and a single 545 MW reactor could produce up to 14,570 kg/hr (350 tonne/day) of H..
The horizontal dashed lines show the placement of the base and advanced case HTSE CAPEX
corresponding to the high and low scenarios developed in Section 3.

Figure E-3b. Profitable limit surface of HTSE CAPEX (total capital investment), hydrogen demand, and
clean-hydrogen credit at Prairie Island. For reference, the maximum energy that Pl could provide to an



HTSE could produce up to 29,290 kg/hr (703 tonne/day). A single 545 MW reactor could produce up to
14,570 kg/hr (350 tonne/day). The horizontal dashed lines show the placement of the base and advanced
case HTSE CAPEX corresponding to the high and low scenarios developed in Section 3.

The cost of NH3 production per the NPP-HTSE-NH; plant analyzed in this report is shown in
Figure E-4 assuming an electricity cost of $30/MWh. The cost of avoided CO- is also plotted to show the
cost of decarbonization or, alternatively, the hypothetical carbon credit that would make the NPP-HTSE-
NH; on parity with conventional ammonia production.

Figure E-4. Conventional and alternative ammonia production price and cost of avoided CO as a function
of NHjs plant capacity (based on an electricity price of $30/MWHh).

The CO- reduction impact of hydrogen blending with natural gas in natural gas power plants that can
be realized is shown in Figure E-5. A 30 vol% mixture of hydrogen with CO; results in just over 10%
reduction in CO,. This is because 30 vol% H, with natural gas represents only ~9% blending by energy
because the volumetric heating value of hydrogen is approximately 30% of the corresponding heating
value of natural gas. Although, the potential greenhouse-gas (GHG)-emission reduction for this mixing
ratio appears small, the amount of potential CO abatement is significant due to the large contribution of
natural-gas generating plants to the U.S. national GHG-emissions inventory.



Figure E-5. Hydrogen blending with natural gas at different blending ratios and well-to-pump GHG
emissions.

Synthetic fuels analysis using the HTSE + reverse water gas shift (RWGS) + Fischer-Tropsch (FT)
pathway is shown below in Figure E-6. This chart shows that with the advanced synfuels case using the
advanced HTSE case inputs, a CO- feedstock cost of $17/MT (assuming pure CO- from ethanol plants),
and the 2050 diesel forecast price, synthetic diesel fuel via this pathway could be competitive with
conventional diesel if hydrogen were produced at $1.14/kg. Today, producing synthetic fuels would have
a cost of avoided CO; as shown in Table E-1.
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Figure E-6. Synfuels (via HTSE + RWGS + FT) production price at different H, and CO- price points and
break-even scenario

In Table E-1, the hybrid options analyzed in this report are ranked in order of the estimated cost of
avoided carbon from lowest to highest.

Vi



Cost of avoided of CO- is strongly driven by assumptions of key cost drivers such as natural gas
prices, nuclear electricity prices, etc. The cost of avoided CO; is calculated using the equation below for
each application listed in the table. A technology readiness level is estimated for each of the applications
provided in the table.

$ $
Cost of avoided CO, (m> = change of application price (m>/change of CO, emissions (

MT COZ)
MT

Table E-1. Hybrid options for integration with LWRs ranked in order of least cost of avoided CO; to

greatest.
Nuclear-H, | Cost of Technology Notes: Nuclear Electricity Price Assumed to be
Applications | Avoided CO, | Readiness $30/MWh, Nuclear-H, at $1.93/kg and natural gas
($/MT CO2¢) | Level (TRL) pricing based on Modified 2021 AEO West North
(basic = 1, fully | Central (WNC) Region Reference Case
commercial =
9)

Ammonia $35-58 89 Comparing ammonia production facility using nuclear
power for air separation unit for N, and high-
temperature electrolysis (HTE) for H, to a conventional
ammonia production plant at different production rate.
(Section 4.3).

Refineries $100 9 Comparing Nuclear-H; to H; from natural gas SMR at
1.03/kg.

Synfuels $137 (Diesel) 2-3 Comparing advanced synfuel production to untaxed

$200 (Jet diesel prices at $3.1/gal (2050) and untaxed price of jet
fuel) fuel $2.6/gal (2050).

Natural $135-172 6—7 Comparing nuclear-H; to energy equivalent price of

Gas-H; natural gas on higher heating value (HHV) Btu basis.

blending This cost of avoided CO; is for the range of natural gas
prices for natural gas electricity generators in the
Minnesota's Twin Cities region.

FCEVs $55-270 9 Comparing H, $5-7/kg (at dispenser for fuel cell

vehicles), per DOE H; fueling cost target, to untaxed
gasoline price in 2050 ($2.96/gal), the cost of avoided
carbon is very sensitive to assumed H; price.
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Technoeconomic Analysis of Product Diversification
Options for Sustainability of the Monticello and

Prairie Island Nuclear Power Plants
1 INTRODUCTION

With electricity-grid operations undergoing rapid and far-reaching changes as intermittent generation
sources such as solar and wind increase, nuclear power plant (NPP) owners and utility companies, as an
alternative to turning down plant capacity, need to understand the technical, operational, and human-
factors requirements for plant operations that involve varying energy output between electricity
production for the grid and providing both thermal and electrical energy directly to an industrial partner to
make the best use of NPP capital resources. For example, the NPP could apportion electricity between the
grid and an electrolysis plant that produces hydrogen.

Due to off-market incentives supporting the penetration of variable renewables like wind and solar
(e.g., production tax credit) and low natural gas prices, in some U.S. regions the average production cost
of electricity at times falls below the production cost at NPPs. In these regions, it might be possible for
NPPs to recover profitability by using available nuclear power to produce a marketable non-electric
product, such as hydrogen. Hydrogen generated in this way may qualify for future credits that would
incentivize hydrogen produced with low carbon intensity.

This situation suggests a new paradigm for the use of nuclear energy. With flexible operation and
generation, NPPs could distribute energy to an industrial process in a dynamic manner that optimizes the
revenue of NPP owners. Studies have shown NPPs may be able to competitively provide the energy
required to produce hydrogen and other valuable chemical products.22 This may yield a more-
advantageous market and revenue position for utilities employed in this market.®

The purpose of this work is to provide technoeconomic analysis (TEA) of hybrid configurations to
optimize the total system in a regulated market specific to the Monticello and Prairie Island (P1) light-
water reactor (LWR) NPPs located in the greater Minneapolis area and operated by Xcel Energy.

Market demand analysis for hydrogen, ammonia, and synthetic fuels, as well as the carbon dioxide
supply market specific to the Minnesota region is presented. Demand sources are reported in the distances
located from both NPPs considered, as well as relative demand volume and assumed selling prices. The
electric market for the Minnesota region has been modeled in a way that takes assumed generation
buildout forecasts and grid interactions into account using REEDS and PLEXOS in a cost/benefit system
analysis in a regulated market. REEDS is a custom grid-generation modeling software built by the
National Renewable Energy Laboratory (NREL). Grid-electricity pricing forecasts have been calculated.
This electric and grid market analysis is being performed in a separately funded, but coordinated analysis
by NREL that will be reported separately in the near future.* The grid analysis performed by NREL and
the analysis presented in this report were coordinated, and inputs and assumptions were shared among the
respective models.

Hydrogen production via solid oxide electrolysis cells (SOEC)/high-temperature steam electrolysis
(HTSE) has been extensively modeled and evaluated, including stack, balance-of-plant (BoP), and a very
limited assumption on NPP thermal tie-in capital expenses (CAPEX), operating expenses (OPEX)
including utility and energy consumption, design and performance assumptions, current versus future nth-
of-a kind (NOAK) technology—using an assumed learning rate—and operating modes. It is recognized
that the assumptions of NPP thermal tie-in expenses are very minimally treated here in relation to simple
piping expenses. Other costs associated with thermal tie-in to an existing plant such as exact design,
safety and hazard analysis, permitting, regulation reviews etc are out of scope of this work. Sensitivity



analyses on parameters such as HTSE capacity, electricity price, and possible production tax credits
(PTCs) for the life-cycle low-carbon-intensity hydrogen that can be produced is presented. The above
calculations are presented along with the normalized cost to produce the hydrogen or levelized cost of
hydrogen (LCOH) in dollars per kilogram of hydrogen for various scenarios, and the case is made for the
profitability and viability of future looking SOEC/HTSE systems integrated with NPPs.

In-depth analysis has been done on the optimization of the NPP-HTSE system by itself and integrated
with the electrical-grid to maximize the possible revenue given the input assumptions. Sensitivity
analyses on parameters, such as HTSE capacity, electricity price, and possible PTC, have also been run in
the optimization models. The net present value (NPV) of the investment for the NPP-HTSE with various
assumptions is reported. Because the electricity price is the single largest cost factor involved in both the
LCOH calculation and the NPV of the investment, an in-depth discussion is included on alternative
scenarios and paradigm shifts under which the HTSE integrated with an NPP could be operated and
treated by the electrical-grid operator and the public utility commission (PUC). These alternative
proposals for treatment by the electrical-grid operator and PUC are hypothetical only because it will be up
to the utility company operating NPPs to determine and negotiate with their respective regulators and
partners any new paradigm related to the interactions with an NPP-HTSE plant.

Specific use cases for the assumed volumes of hydrogen that could be produced by Xcel Energy’s
NPPs are also analyzed and presented, such as blending hydrogen with natural gas in natural gas power
plants, compression, storage, and liquefaction of hydrogen for transportation to the end user, and other
follow-on hybrid integrations with NPPs which could consume the hydrogen and produce low carbon
ammonia and synthetic fuels (diesel, jet fuel, motor gasoline).

Additionally, separately funded work has analyzed the methods, detailed modeling of equipment and
controls, and safety analysis of thermal-power extraction (TPE) from an NPP to be used in a hybrid,
integrated industrial process, such as HTSE. Extracting a small portion of thermal power from an NPP at
the inlet of the turbine is a novel concept that is being pioneered, including engineering design as well as
lab and simulator testing. Thermal power can be transported short distances and used to provide large
amounts of low-temperature energy to industrial processes. A discussion on heat-transfer fluid (HTF)
options is included. TPE could give NPPs a competitive advantage in the production of low-carbon,
value-added products, such as hydrogen, ammonia, synthetic fuels, and others. A preliminary fault-tree
safety analysis probabilistic risk assessment (PRA) for TPE from an NPP is summarized. This includes a
discussion commenting on the assessment of safety within the existing licenses of LWRs. This section on
TPE technical and safety analysis is summarized in the appendix of this report for completeness of this
TEA effort, but the reader is referred to separately produced reports on the subject for a more complete
analysis.

The following analyses are treated in this study to show the viability of hybrid integrations with
nuclear power:

o Market analysis

- Hydrogen, ammonia, and synfuels market analysis specific to the greater Minneapolis region
- Minnesota-region regulated electricity-grid market analysis (detailed in separate NREL report).*
e NPP-HTSE—Hybrid integration of HTSE with LWR NPPs

- HTSE integrated full plant design using industry standard modeling software (Aspen, H.A),
including CAPEX and OPEX, stack and performance assumptions, NOAK technology, operating
modes, etc.

- Optimization of the assumptions and conditions to show the envelope of profitability where
HTSE H, production, integrated with nuclear power, is viable, including NPV optimization
analyses of the HTSE investment integrated with an NPP. Range of valuation of carbon that may
increase the viability of NPP-HTSE hydrogen production and other hybrid options



Hypothetical alternative proposals for the treatment of the NPP-HTSE plant by the electrical-grid
operator and PUC (found in the appendix).

Use cases for low-carbon hydrogen, produced using nuclear energy

Blending of hydrogen with natural gas to be burned in natural gas power plants

Compression and storage of hydrogen in trucks or pipelines versus liquefaction of hydrogen for
transport to an end-user at various distances

NPP-HTSE-NHs;—hybrid integration of the NPP and HTSE with ammonia production versus the
standalone NPP-HTSE

NPP-HTSE-synfuels—hybrid integration of the NPP and HTSE with synthetic fuels (diesel, jet
fuel, motor gasoline) production using low carbon hydrogen.

This work is funded under DOE Office of Nuclear Energy (NE) industry funding opportunity
announcement (iFOA), DE-FOA-0001817. Separate funding has also been contributed from the DOE
Hydrogen and Fuel Cell Technologies Office (HFTO).



2 DEMAND MARKETS AND LIFECYCLE CO2 ANALYSIS

This section discusses the U.S. market potential, size, and location for value-added products, such as
hydrogen, which could be produced in an integrated facility with NPPs. Life-cycle CO, emissions
reduction associated with nuclear-produced H, for these markets are reported in this section. Following, in
its own subsection, the potential hydrogen demand around the Pl and Monticello NPPs are categorized
and discussed.

2.1 National Potential Hydrogen Demand

2.1.1 Fuel-Cell Electric Vehicles
2.1.1.1 Light-duty vehicle (LDV) applications

For LDV applications, hydrogen demand depends on the size of the vehicle population into which
fuel-cell electric vehicles (FCEVs) will be introduced and the success of FCEVs in capturing a share of
that population, while assuming simultaneous improvements in battery electric vehicle technologies. Each
of these factors contains varying degrees of uncertainty, both in how quickly they may evolve, and how
external factors (e.g., vehicle and fuel cost assumptions, availability of hydrogen fueling stations,
consumer lifestyles, and preferences) might influence them. Forecasts of future hydrogen demand should
be based, to the greatest extent possible, on objective, widely accepted trends, and projections and well-
vetted tools and techniques. The analysis utilized a vehicle-choice model to estimate the future market
penetration of hydrogen fuel cell vehicles, along with estimates of future fuel economy to calculate
potential future hydrogen demand.® Hydrogen demand potentials were estimated without considering
economic factors, which can be considered an upper bound for the size of the FCEV market and defined
as “serviceable consumption potential.”

For this analysis, estimates of FCEV car and light-duty truck (LDT) sales, stock, and hydrogen
consumption were developed according to the following process:

o Total FCEV Market Penetration and Sales: FCEV car and LDT sales shares were obtained from prior
HFTO analyses consistent with HFTO price targets (Table 2) for delivered hydrogen. Annual
numbers of FCEVs sold were derived by applying these shares to EIA forecasts of national LDV
sales by year.

e Total FCEV Stock and Hydrogen Use: FCEV car and LDT stock, vehicle miles traveled (VMTSs), and
hydrogen consumption were estimated by year and summed to produce national totals using
Argonne’s VISION model.®

Market penetration of FCEVs was estimated using the Market Acceptance of Advanced Automotive
Technologies (MA3T) vehicle-choice model developed and maintained by Oak Ridge National
Laboratory (ORNL).” MA3T estimates market penetration rates or shares of conventional internal-
combustion-engine vehicles (ICEVS), FCEVs, hybrid electric vehicles (HEVSs), battery-electric vehicles,
and plug-in HEVs (PHEVs) of different range capabilities.® For this analysis, MA3T was run assuming
that HFTO’s FC and hydrogen fuel cost and performance targets will be met in the future (i.e., the
“Program Success” case in HFTO’s annual reporting as documented by [9].

Table 2. Projected light-duty vehicle stock penetration for the United States in year 2050 by powertrain
from MA3T.5

Fuel Cell Internal Combustion Hybrid Plug-in Hybrid Battery

Electric Engine? Electric Electric Electric
Cars 18% 15% 10% 21% 36%
LDTs 26% 11% 7% 20% 36%

a Includes gasoline, diesel, compressed natural gas, and ethanol flex-fuel ICEVs.



2.1.1.1.1 Potential Hydrogen Demand for Light-Duty FCEV

As shown in Table 3, FCEV average fuel economy increases from 54 and 41 miles per gasoline
gallon equivalent (mpgge) for cars and light trucks, respectively, in 2015 to 100 and 64 mpgge,
respectively, in 2050. FCEVs are assumed to have equivalent fuel economy and to be driven and scrapped
(i.e., retired from use) at the same rates as the conventional vehicles they replace. They are also assumed
to have the same survival rate and lifetime VMTs (about 167,370 miles) as their conventional
counterparts. Table 3 compares our fuel economy assumptions (in mpgge) for FCEVs with those for
comparable ICEVs. Fuel economy for ICEVs also improves between 2015 and 2050, rising from an
average of 26-43 mpg for ICEV cars, and from 20-30 mpg for ICEV light trucks. These fuel economy
assumptions are based on Autonomie’s vehicle simulation model estimates (which reflect HFTO program
goals) for mid-sized cars and mid-sized SUVs, adjusted to on-road values using factors applied in the
GREET model (see Section 2.1.1.3). Based on the vehicle stock estimates at market equilibrium in
Table 2 and vehicle fuel economy estimates in Table 3, the future hydrogen consumption by FCEVs was
estimated at 4.3 MMT for cars and 7.4 MMT for LDTs, for a total of 11.7 MMT.

Table 3. United States on-road fuel economy of FCEV and ICEV cars and light trucks by model year.®

Car mpgge Light Truck mpgge

Model (mi/gasoline gal equivalent) (mi/gasoline gal equivalent)

Year Gasoline (E10) ICEV FCEV Gasoline (E10) ICEV FCEV
2015 26 54 20 41
2020 31 61 23 45
2025 35 72 24 52
2030 37 80 25 55
2035 39 90 28 58
2050 43 100 30 64

The serviceable consumption potential is estimated as the demand if FCEVs constituted 41% of the
LDV fleet in 2050 (i.e., 66 million of 163 million cars and 63 million of 153 million light-duty trucks).
Fleet penetration was based on the analysis from [10], which estimates a FCEV sales share of 41% for
passenger vehicles in 2050 using favorable assumptions. The fleet penetration is applied to the 2050 LDV
stock to estimate FCEV stock and a corresponding annual hydrogen demand of 21.4 MMT/yr
(10.0 MMT/yr for cars and 11.4 MMT/yr for light-duty trucks).

2.1.1.2 Medium- And Heavy-Duty Truck Applications

Medium- and heavy-duty (MHD) vehicles (MHDVs) are used to move freight and provide various
services. They encompass a wide range of sizes and body types and operate on a variety of duty cycles.
Contractors, construction workers, and delivery services use medium duty trucks. These vehicles are
sometimes called “last-mile” delivery trucks. Heavy duty (HD) trucks are used for moving heavier and
larger cargo within urban areas and over short distances, as well as over long distances. MHD trucks
account for a significant portion (20-25%) of the energy consumption and air emissions of the U.S.
transportation sector. MHDVSs, around 11 million trucks and fewer than 1 million buses, represent only
4.5% of the 260 million vehicles on the road nationally.® Although they comprise only a small share of
the national vehicle population, MHDVs are the second-largest energy consumers and greenhouse gas
(GHG) emitters, behind only light- duty vehicles that include passenger cars, sports-utility vehicles, and
pickup trucks.®

In the United States, nearly half of MHD trucks are used for urban, local, and short-haul operations,
with a daily travel distance of less than 200 miles.! To calculate hydrogen use by FCEVs at any given



time, three key parameters are required for each vehicle class: (1) number of vehicles on the road, (2)
annual VMT, and (3) fuel economy or fuel consumption per mile. Because of the lack of reliable vehicle-
choice models for MHDV classes, we assumed the market penetration of fuel cell MHDVSs to be
consistent with that of fuel cell LDVs in 2050 (i.e., ~22% penetration). Then, we calculated annual sales
of MHDVs and, using the VISION model, computed annual vehicle stocks, VMT, and energy use.

2.1.1.2.1 Potential Hydrogen Demand by Medium- and Heavy-Duty Fuel Cell Vehicles

As shown in Table 4, composite fuel economies of 33.0 and 14.7 mi/kgH2 were estimated for Class 4
walk-in delivery trucks and Class 8 long-haul sleeper-cab trucks, respectively. Using the VISION model,
total annual VMTs for all MDVs (Classes 2b—6) and HDVs (Classes 7—-8) in 2050 were estimated at
212 billion and 252 billion for MDVs and HDVs, respectively. The above estimates of fuel economy and
total annual VMT, along with the 22% penetration of FCEVs into the MHDV sector, resulted in potential
hydrogen consumption of 1.4 and 3.8 MMT by MD and HD fuel cell trucks, respectively. For the entire
MHDYV sector, total hydrogen demand was estimated to reach 5.2 MMT in 2050.

We estimate the serviceable consumption potential of the MDV and HDV hydrogen market as
equivalent to the hydrogen required if 35% of the fleet operated on hydrogen, based on the 2050 sales
share estimate from Roadmap to a U.S. Hydrogen Economy,*® which uses favorable assumptions for
FCEVs. Applying this market penetration to the vehicle stock results in 4.2 million FCEVs of a
12 million MDYV stock and 2.0 million FCEVs of a 5.7 million HDV stock in 2050. The corresponding
annual hydrogen demand is estimated at 8.2 MMT/yr (2.2 MMT/yr for MDVs and 6.0 MMT/yr for
HDVs).

Table 4. Parameters relating to fuel efficiency of MHD fuel cell trucks.®

Vehicle’s Composite Fuel
Payload Weighting Strategy Economy
Test Vehicle GVWR Class (tonnes) for Computing Efficiency (mi/kgH>)
Walk-in Truck 4 3.64 Urban drive cycle 33.0
Long-haul Truck 8 16.3 EPA 55 drive cycle 14.7

2.1.1.3 Lifecycle CO; emissions analysis of H> from nuclear energy for vehicles

GHG emissions associated with hydrogen production and the delivery and dispensing pathway can be
estimated using a well-to-wheels (WTW) analysis with the Argonne National Laboratory’s (ANL’Ss)
Greenhouse gas, Regulated Emissions, and Energy use in Transportation GREET 2019 model to conduct
the life-cycle analysis (LCA).? The WTW analysis can be further broken down into well-to-pump (WTP)
and pump-to-wheels (PTW) stages. The WTP stage includes fuel production from the primary source of
energy (feedstock) to its delivery to the vehicle’s energy-storage system (fuel tank). The PTW stage
includes fuel consumption during the operation phase of the vehicle to power the vehicle’s wheels. The
results from WTP and PTW analyses are summed to give the WTW energy use and GHG emissions
associated with various vehicle-fuel technologies. WTW analysis was carried out using the GREET
20192 model for LDVs, including FCEVs, using various hydrogen-production and delivery pathways and
baseline gasoline ICEVs. Fuel economy of 26 mpg was assumed for gasoline ICEVs and 55 mpg gasoline
equivalent (ge) for H, FCEVs. Conventional internal-combustion engines (ICEs) using gasoline and
diesel were compared to FCEV’s using hydrogen produced from natural gas SMR and nuclear electricity.

The WTW equivalent CO, emissions per mile for LDVs compared ICEVs using gasoline, FCEVs
using hydrogen from SMR, and FCEVs using nuclear-H,. An ICE using gasoline produces 387 g
CO; eg/mile while FCEV using H, from SMR produces 170 g CO- eg/mile, and FCEV using H, from
nuclear electricity produces only 33 g CO; eg/mile, on a WTW basis (Figure 7).



450
400 387

350

300

250

200 170
150

100
50 33

0 ]

ICEV-Gasoline FCEVH2 SMR FCEVH2 Nuclear

LCA GHG Emissions(eq gCO2 /mile)

Figure 7. WTW life-cycle GHG emissions results for LDVs.

The WTW eqivalent CO; emissions per mile for HDVs were also compared. The conventional heavy-
duty ICEV using diesel in compression-ignition direct injection (CIDI) engine produces 1.7 kg
CO; eg/mile while the heavy-duty FCEV using H; from SMR is estimated to produce 0.8 kg CO; eg/mile,
and the heavy-duty FCEV using nuclear-H; produces 0.1 kg CO, eg/mile (Figure 8).
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Figure 8. WTW life-cycle GHG-emissions results for HDVs, including CIDI diesel engines.

2.1.2 Co-Firing of Hydrogen with Natural Gas in Combustion Turbines

Another potential use of clean hydrogen produced from NE is its injection into natural gas pipelines
for use as a low-carbon green component of a natural gas/hydrogen fuel mix for general heating or for
exclusive use in combustion turbines (CTs) for power generation. The potential and technical barriers to
mixing Hz with natural gas are discussed elsewhere.® It is important to note that, in this use case, the
hydrogen should be considered and evaluated as an energy-storage means, rather than as in the other use
cases mentioned in this report, where hydrogen is an intermediate, used for upgrading products to a higher
value in the product chain. This is due to the hydrogen being produced using electricity and then stored



until a later time when it is again converted back to electricity, with all the associated efficiency losses
from conversion, storage, and regeneration. Thus, the firing of hydrogen in turbines to produce electricity
should be evaluated against other means of energy storage.

For the purposes of this study, potential demand is estimated for hydrogen by assuming it can be used
by natural gas CTs with a volume ratio of 30% hydrogen blended with 70% natural gas. Electricity
generators were identified using the data sets from the EIA-860 and EIA-923 forms describing electricity-
generator facility locations and fuel use. Figure 9 shows natural gas electricity generators throughout the
U.S. and the potential demand if for hydrogen if it were blended at 30 vol% with natural gas. Future
planned natural gas green field and coal conversion to natural gas plants are not included.

Figure 9. Natural gas power plants in the U.S and potential hydrogen demand if hydrogen were blended at
30 vol% H, with natural gas.

2.1.2.1 Lifecycle CO, Emissions Analysis of Hy/Natural Gas Blending in Natural Gas
Power Plants

The LCA was carried out using the GREET 2020 model to estimate GHG emissions for 100% natural
gas, as well as a mixture of 30% hydrogen and 70% natural gas by volume, as fuel supply to the
electricity generators. The equivalent CO, emissions per kWh of electricity produced and transmitted to
end use (i.e., at the wall outlet) are compared in Figure 10. The life-cycle GHG emissions are estimated at
493 g CO2/kWh when using only natural gas as the feed, and 442 g CO./kWh for the mixture of 30%
hydrogen and 70% natural gas by volume for different natural gas turbines technology shares. We note
that 30 vol% H. with natural gas represents only ~9% blending by energy because the volumetric heating
value of hydrogen is approximately 30% of the corresponding heating value of natural gas. Although the
potential GHG-emission reduction for this mixing ratio appears small, the amount of potential CO;
abatement is significant due to the large contribution of natural gas generating plants to the U.S. national
GHG emissions inventory. Furthermore, future turbine designs that can handle higher mixing ratios, and
potentially combust 100% hydrogen, will have the potential to eliminate CO, emissions from gas power-
generation units. We also note that mixing hydrogen with natural gas in the near term is attractive
compared to other new hydrogen end-use applications because it leverages the existing natural gas
infrastructure and application end use (i.e., the gas-turbine); thus, less new capital investment may be
needed to be compared to building a new hydrogen delivery infrastructure. Some pipeline modifications
and restrictions on the percentage of hydrogen may be needed due to various concerns specific to
hydrogen such as hydrogen embrittlement, confined spaces, etc.
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Figure 10. Life-cycle GHG-emission for natural gas electricity generators, well-to-wall outlet analysis.

Figure 11 below shows a trend of the percentage and amount of CO; reduction that can be achieved
versus the volume percentage mix of H, with natural gas in natural gas electricity-generating units.

Figure 11. NG-H: blending ratio versus achievable percentage of CO- reduction and W2W GHG
emissions for natural gas power plants.

2.1.3 Petroleum Refineries

Petroleum refineries are currently the most significant user of hydrogen in the U.S., consuming
approximately 10 MMT of hydrogen annually, including byproduct hydrogen from naphtha reformers.1*
Approximately one-third of refinery hydrogen used is the byproduct of naphtha-reforming processes
while most of the rest of the needed hydrogen is typically produced onsite using the SMR process with
natural gas as the feedstock. Some refineries also use hydrogen regional pipelines, which are mostly
limited to the Gulf Coast in the U.S. Hydrogen is used primarily for hydrocracking and hydrotreating.
(Hydrocracking is used to produce diesel from heavy crude, and hydrotreating is used to remove sulfur



from feed, intermediate, and product streams.) Most hydrotreating capacity is used for reducing sulfur in
diesel, fluid catalytic cracker feeds, and naphtha streams. Refinery hydrogen demand is, in general, driven
by the ratio of gasoline to diesel production, American Petroleum Institute (API) gravity, sulfur content of
the petroleum inputs, and the complexity of refinery processing.

Elgowainy et al® estimated future hydrogen demand through 2050 for petroleum refining, based on
projections of crude inputs and market demand for refinery products from the EIA Annual Energy
Outlook,** and crude API gravity and sulfur content based on Han and colleague’s analysis.*® The main
conclusions are that crude inputs are estimated to increase from 16 to 18 Mbbl/d (with a steeper increase
of 9% from 2015 to 2021 and then a more gradual increase to 2050), gasoline output decreases from 8 to
6 Mbbl/d, diesel output increases slightly, and average jet-fuel output increases roughly 0.5 Mbbl/d from
about 1.7 to 2.2 Mbbl/d.*

Refinery hydrogen demand by Petroleum Administration for Defense District PADD region shown in
Figure 12, is projected to increase due to increased ratio of diesel/gasoline demand, stringent sulfur
requirements, higher API gravity, and sulfur content for petroleum feedstocks, and increased crude inputs
to refineries. In addition to the internal hydrogen production via catalytic reforming of naphtha, the total
U.S. hydrogen demand for petroleum refining grows from 5.9 MMT/year in 2017 to an estimated
7.5 MMT/year in 2050. Minnesota fall under PADD 2 region.

Figure 12. Projected total hydrogen demand for U.S. refineries by PADD, through 2050.

2.1.3.1 Life-Cycle CO; Emissions Analysis H, from Nuclear versus H,; from SMR for
Refinery Use

Life-cycle emissions for hydrogen production from well to plant gate (WTG) were calculated using
GREET 2020. The H; production from SMR was compared to production from high-temperature
electrolysis (HTE) using SOEC with nuclear electricity; this H, can later be used for naphtha reforming
processes at the refineries. Figure 13 below shows the well-to-gate COz p emissions for H, produced
from natural gas SMR and HTE (nuclear), which are 9.28 kg CO2/kg H, and 0.15 kg COz/kg H-
respectively.
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Figure 13. WTG GHG emissions for hydrogen production with SMR and HTE.

2.1.4 Direct Reduced Iron for Metals-Refining and Steel Production

The direct reduction of iron (DRI) is a process developed by Midrex Technologies, Inc., for
producing high-purity iron from ore at temperatures below the melting point of iron by reducing the iron
oxide ore and driving off oxygen in a reactor using a reducing agent. The reducing agent can be carbon
coke, hydrogen, or syngas. In the conventional approach to steel making, iron ore is reduced to pig-iron
using coking coal as the reducing agent in a blast furnace (BF), and the pig-iron is then refined and
converted to steel in a basic oxygen furnace (BOF). In the DRI process, DRI is converted to steel in an
electric arc furnace (EAF), allowing reductions in overall energy use and CO- emissions compared to the
conventional BF-BOF steel-production process. In the U.S., the amount of steel produced by EAF has
been increasing and is expected to continue to grow, mainly due to the increased production of scrap,
which can be incorporated in the EAF feed, while the amount produced by BOF is expected to remain
relatively flat.® Product quality dictates the amount of scrap that can be used in an EAF; the remainder
must be made up with pig-iron from a BF-BOF or DRI. Due to its high purity, DRI has the potential to
increase the amount of scrap which can be used by EAF relative to using pig-iron from a BF-BOF. The
DRI process, using 100% hydrogen as the reducing agent, requires up to 100 kg hydrogen per MT of
steel—i.e., a mass ratio of approximately 10%. However, using hydrogen in a blend with natural gas up to
30/70 ratio by energy to produce DRI would not require modifications to the original technology which
was developed to work solely with natural gas.'’

Syngas (CO2 + Hy) could alternatively be produced and supplied to metals plants using CO, and water
in CO- or co-electrolysis. There are a few advantages to using a carbon-containing molecule such as CO
in addition to hydrogen in the metals-refining process versus using hydrogen alone. First, different grades
of steel require varying amounts of carbon as part of the finished alloy in order to obtain the desired
material properties, so carbon will need to be incorporated regardless. Second, some carbon can be
consumed in the metals-refining process, releasing energy, and resulting in a more-economic process
overall due to the reduced outside-heating requirements versus a metals-refining process using only
hydrogen as the reducing agent. This use case will not be further analyzed in this report.
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Nuclear and renewable hydrogen could be used to offset natural gas or other fuels in the DRI process.
For this analysis, we estimate the potential hydrogen demand for DRI was based on using 30% hydrogen
and 70% natural gas on an energy basis.!” In 2017, U.S. steel consumption was 106.2 MMT, while
production was 81.6 MMT. Based on trends in U.S. iron ore production, imports, and exports, we
estimate that 68% of the 81.6 MMT of U.S. steel production was in electric arc furnaces (i.e., only 32%
was produced in basic oxygen furnaces). The mass of hydrogen required to fully reduce 1 MT of iron ore
ranges from 0.08 to 0.12 MT, depending on the technology employed, reaction temperature, and the
reaction off-gas available for hydrogen preheating. Hydrogen price affects economic feasibility more
strongly than the capital and operating costs of the DRI process. It is estimated that a hydrogen price of
$1.2/kg would generate a positive NPV for the (MIDREX_EAF_H,) DRI technology.*®

EIA’s Annual Energy Outlook projects crude steel production growing to approximately 120 MMT .14
If all this production were converted to MIDREX_EAF DRI technology using low- cost hydrogen (i.e.,
no BF plants), the technical potential for hydrogen demand could be on the order of 12 MMT annually.

These estimates are conservative relative to the national estimate of Elgowainy et al. for potential
future hydrogen demand of 4 MMT for 30% replacement of natural gas on an energy basis.® Their
estimates are based on the Annual Energy Outlook projection of 50% growth in U.S. steel production by
2040 and full replacement of iron inputs with those produced by DRI.

2.1.4.1 Lifecycle CO; Emissions Analysis of Steel-Making Pathways

The GHG emissions associated with using DRI were assessed by comparing it with conventional BF-
BOF and MIDREX EAF. These processes were evaluated using the GREET 2019 model for LCA, to
estimate the equivalent CO, emissions for each process and highlight the benefits of using nuclear-H; in
DRI production.

Figure 14 compares the equivalent CO, emissions per metric tonne (MT) of steel produced for four
possible process steps in the steel-making process: 1) blast furnace/BOF (using coal), 2) MIDREX EAF
using 100% natural gas, 3) MIDREX EAF using 70% natural gas and 30% Nuclear H, and 4) MIDREX
EAF using only nuclear H,. The GHG emissions from each respectively is: 1.97-MT eq.CO,/MT steel
from BF, 1.47-ton eq.CO>/MT steel from EAF using 100% natural gas, 1.28-MT eq.CO./MT steel from
EAF using 70% natural gas and 30% Nuclear Hz, and 0.99-MT eq.CO./MT steel from EAF using only
nuclear-H..
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Figure 14. LCA of GHG emissions for various steel-making process options.

2.1.5 Ammonia and Fertilizers

Ammonia is produced by the Haber-Bosch process, which reacts hydrogen, usually produced from
natural gas via the SMR process, with nitrogen separated from the air. In 2016, 13.6 MMT/year of
ammonia were consumed in the U.S., with 9.8 MMT were produced domestically, while 3.8 MMT were
imported,*® with 12% of consumption being for non-agricultural products, and the remainder used to
produce fertilizer products, including anhydrous ammonia, urea, diammonium phosphate,
monoammonium phosphate, and nitric acid. The Haber-Bosch process uses hydrogen in a molar ratio of
3 moles H; to 2 moles of NHg; therefore, 0.178 kg of hydrogen are required to produce 1 kg of ammonia.
As ammonia is the source of nitrogen in other fertilizer products, we can generalize this as 0.216 kg
hydrogen per kilogram of nitrogen in fertilizer.

Currently, 88% of domestic ammonia consumption is associated with fertilizer use. In addition to
anhydrous ammonia, fertilizer products that are derived from ammonia include urea, ammonium nitrate,
ammonium sulfate, and urea ammonium nitrate (UAN). Ammonia is also used in the production of
explosives, plastics, synthetic fibers and resins, and numerous other chemical compounds. Ammonia
usage for fertilizer applications is not expected to grow significantly in the coming years; increases in
nitrogen fertilizer efficiency contribute to a projected minor decrease in ammonia demand for use in
agricultural applications.?

A potential ammonia-market growth opportunity exists in the area of ammonia as an energy carrier.
Ammonia could be used one day as a transportation fuel in ICEs. Ammonia may be suited for use in
marine applications (i.e., industry with requirements for large-scale energy consumption and energy-
storage requirements to enable travel of large vessels over long distances; additionally, marine
applications would require fewer modifications to fuel-distribution networks to enable distribution of
large volumes of an ammonia fuel product to the end user). Ammonia can be stored and transported as a
liquid product, which can lead to significant reductions in storage and transportation energy requirements
and costs when compared to hydrogen.?%!
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Figure 15. Estimated H, demand for U.S. NH; production in 2017.

Industry data on existing and planned NHjs plants in the United States were used to estimate the input
hydrogen required for NH; production by region (Ammonia Industry 2018). Figure 16 shows an
estimated 25% increase in hydrogen demand for NHz production between 2017 and 2024. We assumed
that domestic hydrogen demand for NHs; production beyond 2024 would grow by another 15% by 2050,
thus increasing annual hydrogen demand to 3.6 MMT.

The import share for ammonia consumption in the U.S. has been declining from 30% in 2019 to 17%
in 2018, reflecting the expectation that domestic production may potentially displace all imports in the
U.S. market due to the low-cost natural gas and the potential availability of low-cost green hydrogen.

Figure 16. Estimated hydrogen demand for U.S. NHs production through 2024 (based on data from
Ammonia Industry [2018] through 2024)
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2.1.5.1 Life-Cycle CO; Emissions Analysis of H> from Nuclear Energy for Ammonia
Production

To evaluate the environmental benefits and trade-offs for using nuclear-H, for ammonia production,
the Haber-Bosch process was considered. The GREET 2020 model was used to conduct the LCA for
ammonia production. Various production pathways for hydrogen were considered to understand the
equivalent CO emissions associated with various ammonia-feedstock sources and production pathways.
Figure 17 compares CO, emissions from the conventional ammonia-production process to an alternative
synthesis process using nuclear heat and electricity for H, and ASU in terms of eq CO, per MT NHs. The
conventional pathway produces about 2.55 MT CO>/MT NHz while the nuclear for both H, and ASU
produce 0.06 MT CO./MT NHjs, respectively, on a life-cycle basis. Life-cycle analysis results for
conventional ammonia production process and alternative ammonia production process (ASU-N; and
HTE-H,) were acquired from Liu et al.??

Ammonia production pathway
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Figure 17. Life-cycle CO; emissions for conventional ammonia production versus ammonia production
using NE for hydrogen generation and nitrogen separation in an ASU.

2.1.6 Synthetic Fuels

Synthesis gas (syngas) is a mixture of carbon monoxide and hydrogen. It is called syngas because
these two molecules can be used to synthesize synthetic fuels (synfuels) and chemicals (synchemicals).
The following sections discuss the markets for syngas and synfuels.

Significant quantities of high-purity CO; are generated in industry processes such as ethanol-
production, SMR used for hydrogen production from natural gas for refining, and ammonia production.
These high-concentration CO; sources present opportunities for the production of synfuels and
synchemicals using a wide variety of pathways while minimizing the cost and energy penalty to capture
CO;, relative to other dilute CO; sources (e.g., from flue gases of coal and natural gas power plants).
High-demand products that can be produced using CO- as a feedstock include methanol, Fischer-Tropsch
(FT) diesel, and dimethyl ether (DME). In many of these processes, synthesis gas or syngas (a mixture of
CO and Hy) is a key intermediate building block. Depending on the process pathway, hydrogen is used
either in the initial reaction with CO- or in downstream processes such as refining of the synthetic fuels.
In co-electrolysis, CO and water are fed to an electrolyzer to produce CO, H; (syngas), and O». The
syngas is then reacted to form any of a large variety of molecules. Methanol can also be produced by a
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variety of processes and presents an opportunity because its manufacturing process is relatively simple,
and its global market is expected to grow for multiple uses, such as petrochemicals, fuel blending, or as a
blend stock for transportation-fuel production. Methanol produced from waste CO. streams and hydrogen
from clean NE offers a low-carbon alternative to methanol produced via the conventional process using
natural gas. The merchant market for CO; is currently underused. Of the 100 MMT of CO- generated in
concentrated forms from ethanol-production and SMR, only 11 MMT of CO; is currently used in
merchant markets such as food processing and carbonated beverages. Production of synfuels using this
quantity of CO, would create a maximum hydrogen demand of 14 MMT/year.? This leaves a significant
CO, resource availability which could be used for methanol and synfuel production, depending on the
region and company-specific economics, incentives, and decarbonization goals. In this report, we focus
only on the potential hydrogen demand for synfuel production from highly concentrated sources of COs.
The potential hydrogen demand for methanol production from the same CO; sources will be of a similar
magnitude; thus, producing one chemical or fuel in place of the other will result in similar hydrogen
demand considering the same CO; resources.

The hydrogen demand for synfuel production can be estimated based on the stoichiometric 1:3 mole
ratio of CO, to H, that is required for the synthesis of FT diesel or DME. The availability of high-purity
CO, from SMR, associated with merchant hydrogen and ammonia production, and the locations of
facilities are based on values reported by facilities to the U.S. Environmental Protection Agency’s
Greenhouse Gas Reporting Program.?* The H, demand reported here for refineries includes only
conventional current hydrogen demand (hydrocracking, etc.) and does not include any future hydrogen
demand for synfuel production using CO; that could be captured from SMRs that operate in these
refineries. High-concentration CO; sources from ethanol-production are estimated based on the 1:1 mole
ratio of ethanol to CO; generated during the conversion of glucose and sucrose in the fermentation
process.

In 2017, 15.6 billion gal of ethanol were produced in the U.S.,?® which generates an estimated
44 MMT of high-purity CO,. The locations and capacities of ethanol-production facilities are based on an
EIA dataset? and illustrated in Figure 18, while production by facility is estimated based on the national
average capacity-usage rate.

Figure 18. CO- sources for use in synfuels production.

Potential hydrogen demand for high-purity CO2 (~44 MMT) from ethanol plants if converted into to
near-carbon-neutral synthetic FT fuels would be about 5 MMT which is approximately 2.3 billion gallon
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of FT fuel. Whereas potential hydrogen demand for producing synthetic methanol would be about

6 MMT, as mentioned in Elgowainy, 2020.% On the other hand, if all recoverable CO2 from these sources
were utilized for synfuel production, the maximum annual supply of synfuels would be approximately 10
billion gallons. Production of this quantity of synfuels would create a maximum hydrogen demand of 14
MMT/year. Of this 14 MMT/year, 6 MMT hydrogen/year would be needed to convert all of the CO2
from ethanol plants into synfuels, 5.9 MMT Ha/year would be needed to convert all CO2 from refinery
SMR plants into synfuels, and 2.1 MMT/year would be needed to convert all CO, from NH; plants into
synfuels.®

While most ethanol-production is clustered in Midwest states, ammonia plants are located in a
broader area, mainly in the Midwest, Gulf Coast, and Southeast, while other SMR plants are located near
petroleum refineries, mostly along the Gulf Coast and near San Francisco, Los Angeles, Chicago, Detroit,
Minneapolis, St. Louis, and Toledo. High-purity CO, sources for synfuel production are shown in the
demand tables at the end of Section 2 for Monticello and Pl NPPs, associated with ethanol plants.
Ammonia plants are not listed in the demand tables as there are none within 100 miles of the PI and
Monticello NPPs.

2.1.6.1 Life-Cycle CO; emissions analysis of H, from nuclear energy for synthetic
transportation fuels

The GREET 2020 model was used to estimate GHG emissions assuming captured CO; and nuclear-
H, for producing these synfuels. A recently published study on the production of electro-fuels from
renewable H, and waste CO; streams are of increasing interest because of their CO, emission-reduction
potentials compared to fossil counterparts.?® This study evaluated the WTW GHG emissions of FT fuels
from various electrolytic H, pathways and CO; sources, using various process designs (i.e., with and
without H, recycle) and system boundaries. The FT fuel-synthesis process was modeled using Aspen
Plus, which showed 45% of the carbon in CO- can be chemically bound up or fixed in the FT fuel, with a
fuel production energy efficiency of 58%. Using nuclear electricity, stand-alone FT fuel production from
various plant designs can reduce WTW GHG emissions by 90-108%, relative to petroleum fuels. The FT
fuel nuclear LTE-H; recycle case was the base case for producing FT fuel using CO; and H from nuclear
sources considered.?®

Figure 19 compares the GHG emission to produce conventional fuels, such as gasoline and jet and
diesel fuels, to highlight the benefits of the FT pathway using nuclear H,. The GHG emissions per
megajoule for various fuels like gasoline, jet fuel, diesel fuel, and FT fuel (using nuclear H.) are 93, 86,
91 and 9 g CO; eq./MJ, respectively (referred to as base synfuels case). The land-use change emissions
for ethanol are associated with the process by which human activities transform the natural landscape,
referring to how the land has been used, usually emphasizing the functional role of land for economic
activities.
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Figure 19. WTW total-CO,. emissions for gasoline and jet, diesel, and FT fuel (produced using nuclear
H,). Before oxygenate blending (BOB), is motor gasoline before the required amounts of oxygenate
(ethanol) have been blended.
2.1.7 Summary of U.S. Potential Hydrogen Demand Forecast

Table 5 summarizes the potential hydrogen demand for the U.S. forecasted in the year 2050.
Table 5. Summary of U.S. hydrogen demand potential in 2050.

Potential Hydrogen

Application Consumption® [ MMT/yr.]
Petroleum Refineries 7.5

Ammonia 25

Synfuels from Ethanol - CO; 5

Injection to natural gas Infrastructure 16

Iron Reduction and Steelmaking 8

Light-Duty FCEVs (Cars and Trucks) 21

Medium-Duty + Heavy-Duty FCEVs 8

2.2 Regional Potential Hydrogen Demand in the Minnesota Region

The Xcel Energy Monticello and PI NPPs provide opportunities for producing near-zero-carbon
hydrogen and other non-electric products for various potential markets. The potential cumulative current
and future hydrogen demands out to 2030 in the regions surrounding these NPPs are examined and
evaluated in the following sections leveraging methods used to estimate national potential hydrogen
demand in Sections 2.1-2.1.7.

2.2.1 Prairie Island Nuclear Power Plant

The P1 NPP, shown in Figure 20, is a 1,100 MW facility with two pressurized water reactors (PWRS).
It is located about 40 miles southeast of Minneapolis-St. Paul, in Red Wing, Minnesota. Tables in
Appendix F show the cumulative potential hydrogen demand within 100 miles of Prairie Island Nuclear
Generating Plant.
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Figure 20. Prairie Island Nuclear Generating Plant in Welch, Minnesota.

Current hydrogen demand near the Prairie Island Generating Plant is predominantly from the
Marathon Petroleum Corp. St. Paul Park and Koch Industries, Inc., Flint Hills Resources, Pine Bend
refineries located in Saint Paul, Minnesota, and Rosemont, Minnesota, respectively, within 30 miles of
the NPP. The combined hydrogen demand from these two refineries is up to 310 MT/day. The rest of the
potential near-term demand, 82 MT/day, is associated with the co-combustion of hydrogen with natural
gas in 38 gas-powered electricity generators located within 100 miles driving distance from Prairie Island
Generating Plant. The “natural gas electricity generators” in the following tables comprise the hydrogen
demand calculated for each of these electricity generators if they were to use a mixture of 30 vol% H,
mixed with natural gas. The cumulative potential hydrogen demand by type and distance near the Prairie
Island Generating Plant are plotted and mapped in Figure 21 and Figure 22.

The future potential hydrogen demand for the Prairie Island Generating Station is about 905 MT/day,
from potential markets within 100 miles of the NPP. The majority of the future potential hydrogen
demand is from the two refineries previously mentioned and their associated SMRs, which have a
combined demand for 400 MT/day of hydrogen for the refining process. Although not considered in this
report, note that if CO, were to be separated from the SMR effluents at the refineries considered, this
could be used as an additional future opportunity to produce synthetic fuels requiring more hydrogen
demand. The five ethanol plants, Al-Corn Clean Fuel at Claremont; Guardian Energy, LLC, at Janesville;
Pro Corn, LLC, at Preston; Big River Resources Boyceville, LLC, in Boyceville; and Heartland Corn
Products in Winthrop are located within 100 miles of the Prairie Island Generating Station. Each of these
is a source of high—purity CO; from which CO; could be separated and used to produce synthetic fuels
requiring hydrogen at potentially 410 MT/day for synthetic fuels manufacturing process. The majority of
the potential hydrogen demand is in the area northwest of the Prairie Island Plant, suggesting a potentially
large-scale hydrogen infrastructure that could serve multiple demands in that region, thus reducing the
cost of hydrogen delivery per unit of hydrogen demand in each location (assuming all demand can be
realized within a narrow timeframe).
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Figure 21. Cumulative potential hydrogen demand by type and distance near the Prairie Island Generating
Plant.

Figure 22. Future potential hydrogen demand near the Prairie Island Generating Plant.

2.2.2 Monticello Nuclear Power Plant

The Monticello NPP, shown in Figure 23, is a 647 MW facility with one boiling water reactor (BWR)
located along the Mississippi river, northwest of Minneapolis-St. Paul, in Monticello, Minnesota.
Figure 24 and Figure 25 show the cumulative potential hydrogen demand within 100 miles of the
Monticello Nuclear Generating Plant.
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Figure 23. Monticello Nuclear Generating Plant in Monticello, Minnesota.

Figure 24. Cumulative potential hydrogen demand by type and distance near the Monticello Nuclear
Generating Plant.

Current and near-term hydrogen demand near the Monticello facility depends mainly on the co-
combustion of hydrogen with natural gas for electricity generation and on two refineries which add to this
demand (assuming such demand will not be satisfied with Prairie Island plant). Tables showing the
hydrogen demand surrounding Monticello are found in Appendix F. The cumulative near-term potential
hydrogen demand for this location is 400 MT/day. About 27 natural gas electricity generators are located
within 100 miles of this facility, and these have a combined potential hydrogen demand of 85 MT/day.
Two refineries, Marathon Petroleum Corp. St. Paul Park, and Koch Industries, Inc., Flint Hills Resources,
Pine Bend, have an estimated hydrogen demand of 310 MT/day. The cumulative potential hydrogen
demand by type and distance near the Monticello generating station are plotted and mapped in Figure 24
and Figure 25 respectively.
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Future hydrogen demand near Monticello’s location would be mostly for synthetic-fuels production,
petroleum refineries, and for co-combustion of hydrogen with natural gas. The natural gas electricity
generators column reflects the hydrogen demand calculated for each of these electricity generators if they
were to use a mixture of 30 vol% H2 with natural gas. Synthetic-fuel-producing facilities using CO; only
from ethanol facilities within 100 miles would have a combined future potential demand of 164 MT/day.
The two refineries increase the potential demand for hydrogen around the Monticello region, with a total
of about 400 MT/day. The cumulative future hydrogen potential demand for Monticello NPP will be
about 650 MT/day within 100 miles.

Figure 25. Future potential hydrogen demand near the Monticello Generating Plant.

2.2.3 Overlapping Demand Between Prairie Island and Monticello NPPs

Xcel Energy’s nuclear facilities in Minnesota (at Monticello and Prairie Island) were evaluated for
potential hydrogen demand for different markets. Because of the proximity of these two power plants,
there is significant overlap of the estimated potential H, demand for these two NPPs. To recommend
which NPP should provide hydrogen to these markets, demand size and distance were assessed for the
overlapping markets, so as to facilitate lowest transportation cost, which has major impact on the
breakeven cost of hydrogen.

The majority of the potential current and future hydrogen demand near Xcel Energy’s plants is in the
Minneapolis/St. Paul area. The overlapping demand is presented in Appendix F, with the type and
distances within 50 miles of the respective nuclear facilities. As shown in Figure 26, the majority of the
overlapping demand is closer to Xcel’s PI NPP. This overlapping cumulative potential future demand is
about 337 kMT/ year (Figure 26).
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Figure 26. Overlapping future potential hydrogen demand withing 50 miles of Prairie Island and
Monticello power plants.

2.2.4 Transportation of Hydrogen Using Pipelines for Xcel Energy’s NPPs

In order to reach these hydrogen markets, a network of pipelines is proposed, starting from the Pl and
Monticello NPPs respectively, which can cover these locations and 90% of the total overlapping demand.
These pipeline proposals are based on current generating portfolios and may shift as coal power shuts
down and other generating sources are added, replaced, or modified. Hypothetical pipelines are planned
adjacent to the roads in the region and are sized according to the amount of hydrogen required for these
markets. The demand location covered by both pipeline networks is in the table below; labels are used to
link these demand points.

Prairie Island NPP’s pipeline network covers 17 concurrent demand locations, which include two
refineries and several natural gas electricity generators. The total hydrogen demand served by this
pipeline network is 172 kMT/year. The pipeline starts from Pl NPP goes to Koch Industries, Inc., Flint
Hills Resources Pine Bend Refinery (27 mi), continues to Marathon Petroleum Corp., St. Paul Park
Refinery (16 mi), and then splits into two branches to serve the rest of the demand locations (see
Figure 27).

Monticello NPP’s pipeline network covers five concurrent demand locations: synfuel production and
natural gas electricity generators with about 60 kMT/year total potential hydrogen demand. The pipeline
starts from Monticello NPP and splits at a central location, labeled as 1, to serve all the demand location
on its route (see Figure 28). The cost of H2 transportation using these pipelines is calculated using data
provided in Appendix F. The network for both pipelines can be traced with link locations in Table 6. The
pipeline size and its levelized cost of hydrogen delivery are calculated based on ANL’s Hydrogen
Delivery Scenario Analysis Model (HDSAM).?” Depending on the size and location of demand, the
hydrogen delivery cost ranges between $0.05-0.25/kg, assuming that a pipeline network will be built to
concurrently serve all potential hydrogen demand locations. The potential hydrogen demand curves for
the Prairie Island and Monticello power plants after adjusting to account for the hydrogen pipeline
delivery cost are provided below in Figure 27 and Figure 28, respectively.
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Figure 27. Demand locations with labels covered by the pipeline network for Prairie Island Nuclear Power Plant. Red dots: location for H;
demand).
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Figure 28. Demand locations with labels covered by the pipeline network for Monticello NPP. Red dots: location for H, demand.
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Table 6. Pipeline network covered for transportation near Xcel Energy’s Monticello and Prairie Island NPPs.

Pipeline Future Potential

Pipeline Distance, Demand,

Link Point From To Miles Kilotonnes

Prairie Island NPP Pipeline network

0 1 PI NPP Koch Industries Inc Flint Hills Resources Pine 27 107.8
Bend Refinery

1 2 Koch Industries, Inc., Flint Hills Resources Pine Bend  Marathon Petroleum Corp. St. Paul Park Refinery 15 36.6

Refinery

2 3 Marathon Petroleum Corp. St. Paul Park Refinery LSP-Cottage Grove LP: Cottage Grove Operating 6.3 1.7
Services LLC

3 4 Marathon Petroleum Corp. St. Paul Park Refinery Gerdau Long Steel North America—St. Paul 3.2 14

4 5 Gerdau Long Steel North America, St. Paul High Bridge: Northern States Power Co—Minnesota 10.6 10.2

5 6 High Bridge: Northern States Power Co, Minnesota St. Paul Cogeneration: St. Paul Cogeneration LLC 2.3 0.4

6 7 St. Paul Cogeneration: St. Paul Cogeneration, LLC Univ Minnesota CHP Plant: Veolia Energy 10.3 0.83

7 8 Univ Minnesota CHP Plant: Veolia Energy Southeast Steam Plant: VVeolia Energy 1.3 0.38

8 9 Southeast Steam Plant: VVeolia Energy Covanta Hennepin Energy: Covanta Energy Co 2.4 0.03

9 10 Covanta Hennepin Energy: Covanta Energy Co Riverside (Minnesota): Northern States Power Co— 3.9 8.48
Minnesota

1 11 Koch Industries Inc, Saint Paul Black Dog: Northern States Power Co—Minnesota 17.7 3.68

11 12 Black Dog: Northern States Power Co., Minnesota Blue Lake: Northern States Power Co—Minnesota 11.7 0.65

12 13 Blue Lake: Northern States Power Co., Minnesota Shakopee Energy Park: Minnesota Municipal 45 0.06
Power Agency

13 14 Shakopee Energy Park: Minnesota Municipal Power Koda Biomass Plant: Koda Energy LLC 3.3 0.16

Agency

14 15 Koda Biomass Plant: Koda Energy LLC Minnesota River: Minnesota Municipal Power 5.3 0.004
Agency

Monticello NPP pipeline network

0 1 Monticello NPP Fictitious Pipeline location/ Link 42 NA

1 2 Fictitious Pipeline location Hutchinson Plant #1: Hutchinson Utilities 12.6 0.06

Commission
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Pipeline

Future Potential

Pipeline Distance, Demand,

Link Point From To Miles Kilotonnes

2 3 Hutchinson Plant #1: Hutchinson Utilities Commission  Hutchinson Plant #2: Hutchinson Utilities 15 0.14
Commission

3 5 Hutchinson Plant #2: Hutchinson Utilities Commission Heartland Corn Products, Winthrop 36.5 30

1 4 Fictitious Pipeline location Bushmills Ethanol Inc, Atwater 28.8 30

4 6 Bushmills Ethanol Inc, Atwater Willmar: Willmar Municipal Utilities 12.2 0.06
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2.2.5 Delivery Cost Adjusted Demand Curves for Prairie Island and Monticello
NPPs

Hydrogen-demand curves for Prairie Island and Monticello NPPs are shown in Figure 29 and
Figure 30, respectively. The H; price for each demand type and location is adjusted to account for carbon
credits and delivery costs. The carbon credits were calculated based on an assumed carbon tax of $22.20
per short ton of CO-, based on the Xcel Energy 2019 IRP, and the estimated carbon reduction when using
nuclear-H, to displace the carbon emission for different products through their conventional pathways.
The hydrogen prices were calculated by assuming H; being delivered to demand points using the pipeline
network in Figure 29 and Figure 30 for Prairie Island and Monticello NPPs respectively. The amount of
H, delivered to each demand location is different; therefore, the cost of H delivery (transmission) is
unique to each demand location.

Figure 29. Potential hydrogen demand curve near Prairie Island Nuclear Generating Plant.
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Figure 30. Potential hydrogen demand curve near Monticello Nuclear Generating Plant.

For natural gas generators and DRI, hydrogen is assumed to replace natural gas, so the breakeven
price for Hy has to compete with natural gas pricing on an energy basis. For petroleum refineries, SMR-H,
is assumed to be replaced by LWR-Nuclear-H; and thus has to compete with natural gas-SMR-H; price
($1.03 per kg). For Synfuels produced using Nuclear H; it is assumed that these synfuels would replace
conventional diesel and will compete with diesel prices (2050, $3.1 per gal). Similar for FCEVs the
Gasoline- ICEVs are assumed to replace FCEVs using Nuclear- H..

These breakeven prices were then adjusted to account for carbon credits and hydrogen delivery prices
to construct the demand curve for Prairie Island and Monticello NPPs using the equation below. Table 7
shows the breakeven H; prices and CO; credits for different demand types. As mentioned earlier, the H»
delivery prices are unique to each demand location depending on the delivered amount and distance from
nuclear power plant. The H, transmission cost was calculated using ANL’s HDSAM by assuming a
pipeline network that connects the NPPs to the various surrounding demand location. These demand
curves have been used for further analysis in the economic dispatch and optimization section of the
report.

The equation for calculating the cost adjusted hydrogen price used in the demand curves.

$ $ $ $
Hydrogen price <@> = Breakeven price for the specific market (@) + Carbon credits (@> — Hydrogen Transmission cost (@)
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Table 7. Breakeven H, prices and CO, credits for hydrogen demand markets.

Demand Fuel being Breakeven  *CO; Credits Notes regarding breakeven H; price
Markets replaced using H> Price ($/kg)
Nuclear H»
NG Generators  Natural Gas $0.53 $0.28 H> vs natural gas on BTU basis
DRI Natural Gas $0.53 $0. 58 DRI w/30% H; in syngas vs 100%
natural gas
Synfuels Conventional $1.14 $0.22 H> for FT to breakeven with untaxed
Diesel diesel price ($3.1/gal) (2050)
FCEVs Conventional $1.03 $0.27 FCEV vs. Gasoline ICEV
Gasoline

*CO- credits of $22.20 per short ton was assumed per the Xcel Energy 2019 IRP.

The transmission cost for H, to each demand point was calculated using HDSAM.? The CO, credits
in Table 7 above are calculated based on the assumed carbon tax of $22.20 per short ton of CO;, and the
difference in life-cycle carbon intensity between conventional products and the equivalent low-carbon
products facilitated by nuclear-hydrogen production. Table 8 below shows the magnitude of the CO,
credits per kilogram of hydrogen for a range of carbon tax between $0 and $200 per short ton of CO..
This table shows the credit that nuclear-hydrogen can accrue per kilogram of hydrogen used in various
applications at various CO- prices due to the associated life-cycle carbon-intensity reduction in these
applications compared to the carbon intensity of their conventional pathways. As an example, the nuclear-
hydrogen can be produced competitively with a premium of $2.43/kg over the cost of SMR-H; when the
CO; price is at $200/short ton.

Table 8. CO; credits per kg of hydrogen for a range of carbon taxes per short ton of CO>,

Nuclear H, CO; Nuclear Hz; vs. | DRI w/30% Syniuel from H, FCEV vs.
CO, | | . Nuclear H; vs. ional
rice/short ton vs. natural gas natura gas on H; in syngas conventional convgntlona
P SMR_H; energy basis vs. BF-BOF diesel gasoline ICEV
$0.00 $0.00 $0.00 $0.00 $0.00 $0.00
$22.20 $0.27 $0.28 $0.58 $0.22 $0.27
$50.00 $0.61 $0.63 $1.30 $0.50 $0.61
$100.00 $1.21 $1.27 $2.61 $0.99 $1.21
$150.00 $1.82 $1.90 $3.91 $1.49 $1.82
$200.00 $2.43 $2.54 $5.21 $1.98 $2.43
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3 LWR-HTSE HYDROGEN PLANT DESIGN MODEL DEVELOPMENT

This section presents a detailed engineering plant-design model and analysis for the integration of
hydrogen production via SOEC/HTSE with an LWR NPP. This analysis represents original and
groundbreaking modeling and analysis of current state-of-the-art HTSE technology integrated with
nuclear power as well as forecasted performance improvements of HTSE technology. This section also
describes various sensitivity studies on the cost to produce hydrogen (i.e., the LCOH) as well as a detailed
optimization and discounted cash flow (DCF) NPV analysis. Thus, not only current and forecasted
technologies are modeled, but the sensitivity and optimization studies give a sense for what is possible
with the improvement of the process-input parameters. Plant design, analysis, and optimization of the
input parameters, results, costs, and benefits of HTSE integrated with nuclear power is the main objective
of this report.

A small portion of heat from an LWR is diverted to provide heat to the HTSE process, which can
significantly increase its process efficiency. A detailed process and control model of both the thermal-
delivery loop (TDL) and the nuclear reactor dynamics for TPE from nuclear power have been separately
performed, and the status of this ongoing analysis is summarized in the appendix of this report. For the
current analysis, a simplified model of TPE with all the necessary details was used. Figure 31 shows a
diagram of the HTSE integrated with an NPP in a generic layout as designed and analyzed in this report.
It is recognized that various iterations of designs for thermal power extraction are being studied and this
configuration may not be the optimal final design. Other design options not included in this report could
include removing after the high-pressure turbine, eliminating the TDL to use NPP steam to directly heat
treated HTSE feedwater, decreasing the distance between the steam extraction and the HTSE, and
returning condensate to the first NPP feedwater heater versus to the condenser. The scope of the analysis
for this report is only for the TPE via the TDL and the hydrogen plant, as shown in Figure 31. The nuclear
reactor dynamics and control of the TPE are rigorously modeled elsewhere, as mentioned in the TPE
section in the appendix of this report. Other sections of this report deal with hydrogen transportation
logistics and downstream use-case analysis of the produced hydrogen.

Figure 31. Overview of HTSE integrated with an NPP. Equipment added to the NPP includes the steam
slip stream from the turbine inlet, the TDL, the HTSE hydrogen plant, and associated water and electricity
supply tie-ins.
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A process model of the NPP-HTSE was rigorously developed using AspenTech HYSY'S to model the
CAPEX and OPEX) as well as energy and utility requirements. This model could be used to provide
inputs to front end engineering design (FEED) in a follow-on analysis. Outputs from the process model
were used in the hydrogen production analysis model (H2A) to determine the overall costs of hydrogen
production.

SOEC/HTSE is a developing technology that is currently at a lower commercial scale than polymer
electrolyte membrane (PEM) low-temperature electrolysis (LTE). But HTSE has advantages over LTE
that will only amplify as the technology continues to develop. The greatest advantage of HTSE includes
higher efficiency of hydrogen production and, therefore, reduction in the cost to produce hydrogen,
especially when integrated with nuclear power.

As the name suggests, HTSE is operated at a higher temperature than LTE, which thermodynamically
drives a higher reaction rate to the desired hydrogen product. LTE uses expensive catalysts to drive the
hydrogen-production reaction rate. When integrated with nuclear power, HTSE can achieve cost
reduction by using low-cost heat from the nuclear reactor to overcome the heat of vaporization of the
water. Although the NPP heat is considered low grade at a temperature of up to 300°C, the NPP heat is
used to overcome the large amount of latent heat energy needed to vaporize large volumes of water.
Following vaporization, heat recuperation and topping heaters can be used to supply the sensible heat
needed to raise the steam to HTSE operating temperature.

The TDL modeled as part of this study includes only major assumptions of equipment capital costs. It
does not include cost allowance for NPP tie-ins, downtime, detailed control equipment for the TDL, or
any nuclear reactor controls or regulatory reviews. Thus, the cost of the thermal integration is expected to
be higher than estimated here; actual costs of thermal integration with a nuclear reactor will be more
accurate coming from a utility company performing a separate study to include those costs.

The following analysis discusses the inputs, assumptions, methodology, and results, as well as
various sensitivity studies, and concludes with a detailed optimization of the HTSE integrated with
nuclear power in a regulated grid market.

3.1 Process-Modeling Design Basis

An LWR-integrated HTSE process model was developed using AspenTech HYSYS simulation
software? for the purposes of (1) determining HTSE process energy requirements, (2) computing
hydrogen production rates and the corresponding feed-water flow rate requirements, (3) establishing
equipment-sizing parameters in support of capital-cost analysis, and (4) determining the maximum
capacity HTSE plant that could be coupled with a specified LWR NPP.

A process-flow diagram (PFD) of the HYSYS model main HTSE process area is shown in Figure 32.
This figure highlights the location of the SOEC stacks, the steam generator used to vaporize process-
feedwater stream using nuclear process heat, the high-temperature electrical topping heaters, and the
high- and low-temperature recuperators used to provide process-heat integration. Descriptions of the
process subsystems included in the process model are included in Section 3.1.1. Process operating
conditions and equipment performance specifications are detailed in Section 3.1.2.
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Figure 32. HTSE-process flow diagram.

3.1.1 Process Overview

The HTSE system evaluated includes several major process systems. These systems include
(1) HTSE system, (2) feed and utility system, (3) air sweep-gas system, (4) hydrogen/steam system,
(5) hydrogen purification system, (6) nuclear process-heat delivery system, (7) multistage product
compression, and (8) the control system. A description of each of these process systems is included in the
sections below. Process-flow diagrams with each of the separate process systems identified are included
in the Appendix.

3.1.1.1 HTSE system

The HTSE system includes the SOEC stacks, the high-temperature recuperators, the trim heaters, and
the insulated containment vessel that houses the stack array and provides pressure containment. The
HTSE system also includes electrical-power distribution as well as instrumentation required to maintain
the specified stack-operating conditions. The HTSE system recuperating heat exchangers are used to
transfer heat from the high-temperature stack’s outlet streams to the lower-temperature stack inlet
streams; use of recuperators allows the T <300°C heat supplied by the LWR to be used primarily for
feedwater vaporization (at temperatures in the 100-200°C range) because this heat is not available at a
sufficient temperature to heat the hydrogen/steam stack inlet-gas mixture to the stack operating
temperature range (700-800°C). The HTSE system electrical trim heaters adjust the temperature of the
steam/hydrogen mixture entering the stack from the recuperator outlet temperature to the specified
operating temperature.

3.1.1.2 Feedwater and utility systems

The feed and utility system includes the process components necessary to prepare and stage a clean,
demineralized feedwater stream (separate from the NPP’s process and steam-cycle water) for use in the
HTSE process, including water filtration, purification, and storage, as well as the cooling and electrical-
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power-distribution systems needed to support HTSE process operation. Cooling towers are included to
provide process cooling duty (used in the hydrogen purification system for cooling the process-gas
streams and for providing compressor cooling). The feed and utility system also includes electrical-power
transmission and distribution equipment to provide electrical-power connections between the nuclear
plant and the HTSE site, transforming the power from the NPP substation voltage to the rectifier input
voltage, inverting the AC power from the transmission system to DC power for use in the SOEC stacks
and the bus bars for distributing the high-amperage current from the rectifier to the stacks.

3.1.1.3 Air sweep-gas system

During HTSE process operation, pure oxygen is generated on the anode side of the SOEC stacks.
Because the stacks operate at elevated temperatures (700-800°C), oxidation of the SOEC system
materials of construction is an operational issue if the oxygen concentration is not reduced. An air sweep-
gas stream is used to dilute and evacuate high-concentration oxygen from the HTSE system. The sweep-
gas system delivers the air sweep-gas stream to the stack at the specified operating temperature and
pressure to minimize any thermal or pressure gradients between the anode and cathode sides of each cell,
which reduces mechanical stresses on the cells. The enriched-oxygen air sweep-gas stream is released to
the atmosphere following expansion through a pressure-recovery turbine to capture the energy in the
stream. Because the flow rate of the sweep-gas outlet stream is greater than the flow rate of the sweep-gas
inlet stream (due to the addition of oxygen in the stack), the net-power requirements of the sweep-gas
compressor/expander are negligible in comparison with other HTSE-system power demands.

3.1.1.4 Hydrogen/steam system

The hydrogen/steam system vaporizes the feedwater stream and mixes the resulting steam with the
specified quantity of recycled hydrogen exiting the stack. Low-temperature recuperators, the feedwater
steam generator, high-temperature gas blowers, and piping/manifolds necessary to recycle a portion of the
stack product gas comprise the hydrogen/steam system. (The presence of hydrogen in the stack inlet gas
stream maintains reducing conditions important in minimizing SOEC degradation.) The low-temperature
recuperators are used to preheat the liquid-phase feedwater while simultaneously cooling the Ho/H,O
mixture en route to the hydrogen-purification system.

3.1.1.5 Hydrogen purification system

The hydrogen/steam process-gas mixture in the stack-outlet stream flows through high- and low-
temperature recuperators in the HTSE and hydrogen/steam systems to cool the stream to a temperature
near the dew point. The hydrogen purification system uses multiple stages of cooling and compression to
progressively condense a greater fraction of the water from the stream. In addition to using cooling water
as a heat sink for the hydrogen purification system’s cooling operations, preheating the purified process
feedwater provides a useful cooling duty for cooling/condensing steam from the hydrogen/steam process
gas mixture. The hydrogen purification system is configured to cool and compress the hydrogen product
stream to a temperature of 20°C and a pressure of 20 bar, which results in a 99.9% pure hydrogen product
gas stream.

3.1.1.6 Nuclear process heat delivery system

In addition to electrical power, the NPP can provide a source of low-cost process heat for use in the
HTSE process. Although, as previously mentioned, steam from the existing LWR fleet does not have a
sufficiently high temperature to provide direct heat input to the SOEC stack, LWR nuclear process heat is
well-suited to provide the thermal energy required to vaporize the clean, demineralized HTSE process
feedwater (separate from the NPP’s process and steam-cycle water). In the case where a gigawatt-scale
HTSE plant is coupled with an NPP such that the HTSE plant consumes all the plants energy output (both
thermal and electrical), 5-10% of the nuclear plant steam flow is required to provide the heat duty
required for vaporization of the HTSE process feedwater.
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NPP steam is diverted from a location upstream of the steam Rankine-cycle high-pressure turbine into
the steam-extraction loop (SEL). A series of heat exchangers are used to condense and subcool the
nuclear plant steam to transfer heat to a HTF in the TDL. The TDL is a closed-loop heat-transfer system
that uses steam or synthetic heat-transfer oil to transfer nuclear process heat between the NPP and the
HTSE process. The present analysis specifies the use of a synthetic heat-transfer oil (such as Therminol-
66 or DowTherm) in the TDL.

Safety considerations require that the nuclear and HTSE plant sites be physically separated to
minimize the risks to the nuclear plant associated with the possible detonation of the hydrogen produced
by the HTSE plant. The TDL HTF transports the nuclear process heat from the nuclear plant to the HTSE
plant (a distance of 1.0 kilometer is specified in the current analysis), where it is distributed between an
array of heat exchangers (one per HTSE modular block) that serve as the HTSE process feedwater steam
generators. The cooled TDL HTF is then returned to the nuclear plant via the TDL return piping, where
fluid subsequently flows through a pump that provides the pressure differential required to recirculate the
HTF through the TDL.

3.1.1.7 Multistage product compression

The purified hydrogen product exits the hydrogen-purification system at a pressure of approximately
20 bar, which is not sufficient for cost-effective hydrogen storage or transportation. Additionally, 20 bar
is too low a pressure for hydrogen end-use applications, including FCEV refueling stations or input into a
Haber-Bosch ammonia-synthesis process. The purified hydrogen product exiting the hydrogen-
purification system is therefore sent to the multistage product compression system, where it is compressed
to a pressure of 70 bar, which is a suitable pressure for injection into a distribution pipeline, or input to a
hydrogen-storage system (additional compression would be required for high-pressure hydrogen-storage
applications). Injection into a hydrogen-gas distribution pipeline is the primary application intended for
the 70-bar high-pressure hydrogen product specified in this analysis.

3.1.1.8 Control system

The control system includes a control building and multiple operator centers for use in monitoring
and controlling the HTSE process. Because the instrumentation costs for individual process unit
operations are included in the Aspen Process Economic Analyzer’s (APEA’s) installed-equipment costs
(and cost allowances are made for other sensors and instrumentation), the control-system capital costs are
limited to those for the control building and operator centers. The HTSE control system will also be
required to interface with the NPP control system. In order to avoid conflicts and increased regulations
associated with the NPP control system, the HTSE control system will most likely be kept isolated from
the NPP control system other than the ability of the NPP operator to shut down the HTSE at any time for
any reason.

3.1.2 Equipment and Operating Condition Specifications

The HTSE process model is based on a stack operating temperature of 800°C and thermoneutral
operating voltage of 1.29 V/cell. The steam inlet concentration is specified as 90 mol%, with 10 mole%
hydrogen included to maintain reducing conditions. A detailed listing of HTSE-process operating-
condition specifications is provided in Table 9. The stack operating pressure and steam usage are
parameters that impact the energy consumption for the BoP operations; Section 3.1.2.1 describes a
parametric analysis of the operating pressure and steam usage to obtain system design specifications that
result in energy-efficient process operation.

BoP equipment specifications are listed in Table 10. As detailed in Table 10 the system design basis
includes purification of the hydrogen product to 99.9 mol% hydrogen and compression to a pressure of
69 bar, which is a pressure suitable for injection into a transportation pipeline. The system design basis
specifically does not include hydrogen-storage capacity or storage compressors because the specifications
of this equipment are a result of the dispatch optimization analysis discussed in Section 4.
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Table 9. HTSE and related subsystem process operating condition specifications.

Parameter Value Reference or Note

Stack operating temperature 800°C O’Brien et al 2020%°
Stack operating pressure 5 bars See Section 3.1.2.1
Operating mode Constant V

Cell voltage 1.29 V/cell Thermo-neutral stack operating point
Current density 1.0 A/lcm?

Stack inlet H,O composition 90 mol% O’Brien et al 2020%°
Steam utilization 80% See Section 3.1.2.1
HTSE modular-block capacity | 25 MW-dc 1000x capacity increase®
Cell area per modular block 1945.4 m?

Sweep gas Air O’Brien et al 2020%°

Sweep-gas inlet flow rate

Flow set to achieve 40 mol%
O; in anode outlet stream

Stack service life

4 years

HFTO Hydrogen Production Record
20006%°

Stack degradation rate

1.2%/1000 hr

Degradation rate calculated to match
stack end-of-life performance of 67%
projected from H,A v3.101 future central
SOEC default case. 1.2%/1000 hr
degradation rate is very conservative as
current indications are that suppliers may
be able to achieve at least half this rate of
degradation, this would lead to an
increased service life and decreased
maintenance and replacement cost

Stack replacement schedule

Annual stack replacements
completed to restore design
production capacity

Based on H,A model stack replacement
cost calculations
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Table 10. BoP equipment specifications.

Parameter

Value

Reference or Note

Heat Exchangers

Heat exchanger AP:
TDL, feedwater heating, low
temp recuperators

AP set using inlet pressure
dependent correlation

AP correlation adapted from
AspenTech Exchanger Design &
Rating (EDR) software allowable
pressure drop specification

Heat exchanger AP:
High-temperature recuperators,
intercoolers, cooling water
utility exchangers

AP set to 2% of exchanger
inlet pressure

Heat exchanger minimum
temperature approach

20°C in TDL;
15°C in HTSE process

Larger AT specified in TDL
exchangers to provide additional
flexibility for varying LWR
and/or HTSE operating
conditions

Cooling water utility

20°C supply T;
34°Creturn T

Compression

Compressor adiabatic efficiency | 80%

Compressor pressure ratio per ~1.5 max

stage

Product Recovery

H> product recovery stage 5, 10, 20 bars Approximately equal

pressures (approximate) compression ratios between
stages

H; product purity 99.9 mol%

H> product pressure 69 bars (1000 psi) Purified hydrogen product
compressed to final pressure
using high-pressure multistage
compressor

Thermal-Delivery Loop

TDL HTF Therminol-66 O’Brien et al 2017%; Frick et al
2019%

TDL transport distance 1.0 km Vedros et al 2020%

Maximum HTF velocity 3.0m/s Basis for pipe diameter

calculations

3.1.2.1 Stack operating conditions selection

Because the majority of hydrogen production costs are generally associated with energy input, it is
important for the HTSE system normal-operating mode to correspond to operating conditions that
minimize process-energy costs and, also, equipment capital costs. Steam usage and stack operating
pressure are two parameters that have a significant impact on the system energy consumption.
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Increases in the stack operating pressure decrease the compression-energy requirements in the
hydrogen purification system. Because the steam-generator pressure can be elevated through the use of
liquid-phase pumps, the energy requirements for increasing the stack operating pressure are low.
However, increases in the stack operating pressure will require process vessels to be rated for higher
operating pressures, which increases capital costs. Additionally, increasing the stack operating pressure
increases the Nernst (open cell) potential, which has the effect of increasing the stack input power
requirements.

The steam usage has a direct impact on the HTSE system cooling and thermal-energy input
requirements. References [31], [34], [35], [36], and [37] indicate that HTSE steam usage typically ranges
anywhere from 40 to 90%. The lower the steam usage, the greater the quantity of unreacted steam exiting
the stack. Because the unreacted steam must be condensed in the hydrogen-purification system and is then
recycled to the steam generator, a low steam-usage value results in increased system cooling and thermal-
energy input requirements. Although the use of a very high steam-usage operating specification would
minimize the process-cooling and thermal-energy input requirements, there are practical upper limits on
this parameter due to mass-transfer limitations associated with delivering the steam reactant to the active
sites on the electrolysis cathode. Additionally, the presence of excess steam in the cells has the effect of
lowering the Nernst potential, which has the effect of reducing the stack’s input-power requirements.

A parametric analysis of the impact of the stack operating pressure and steam usage on process-
energy requirements was completed using the HYSYS HTSE process model. In this analysis, the stack
operating pressure was varied from 1 to 10 bar absolute pressure, and the steam usage was varied from 60
to 80%. Current technology steam utilization could already be as high as 80%. Not considering
improvements to the technology itself but only improvements to process controls and process
optimization, the steam utilization could possibly increase to nearly 90% in the near future.

The effect of the stack operating pressure and steam usage on the system’s electrical-energy
consumption are shown in Figure 33. Over the range of conditions evaluated, the stack operating pressure
has the greatest effect on electrical-energy consumption. Increases in stack operating pressure result in
decreases in the electrical-energy consumption. Higher steam usage results in lower energy consumption
for all pressures evaluated. At a stack operating pressure of approximately 5 bar, the energy savings
associated with increasing the stack operating pressure become less pronounced.
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Figure 33. Electrical-energy consumption as function of stack operating pressure with steam usage as a
parameter.



The system’s thermal-energy consumption is most strongly affected by steam usage, as shown in
Figure 34. As previously described, increased steam usage decreases the quantity of unreacted steam
exiting the stack that must be condensed and revaporized. Increasing the steam usage (and thereby
decreasing the steam-recycle rate) therefore has a direct impact on reducing the thermal-energy
requirements of the process, as well as reducing its cooling requirements. Increases in the steam usage
result in a nearly linear decrease in the thermal-energy consumption over the range of values evaluated.
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Figure 34. Thermal-energy consumption as function of steam usage with stack operating pressure as a
parameter.

The HTSE system efficiency is a metric that includes both thermal- and electrical-energy
consumption. The impact of the stack operating pressure and steam usage on the HTSE system efficiency
is plotted in Figure 35. Increases in steam usage increase system efficiency at all conditions evaluated.
Increases in system pressure result in a significant increase in system efficiency up to a pressure of
approximately 5 bar, where there is a “knee” in the curve, and further increases in system pressure return
a lower increase in system efficiency.
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Figure 35. HTSE system efficiency as function of stack operating pressure with steam usage as a
parameter.

The HTSE system, hydrogen/steam system, and air sweep-gas system will all be required to have
components rated for the specified stack operating pressure. Therefore, a 5-bar operating pressure was
selected as the system design point; this operating pressure will achieve near-optimal system efficiency
without incurring the additional capital costs that would be incident to further increases in pressure ratings
of the relevant process equipment. A steam usage of 80% was selected as the system design point, based
on the significant decreases in system thermal-energy consumption associated with elevated steam usage
predicted by the parametric analysis. The value of 80% steam usage is within the range of conditions that
have been demonstrated and/or are suggested as practical by numerous literature sources,31-343536:37

3.1.2.2 Normal operation

The HTSE plant’s normal operating mode is used for hydrogen production. HTSE-system normal
operation is characterized by the conditions specified in Table 9. During normal operations, the LWR
plant dispatches a rated quantity of electrical power and process heat to the HTSE plant to support
hydrogen-production operations. The HTSE most likely will be operated to produce hydrogen during
periods of off-peak electrical-market demand.

3.1.2.3 Hot-standby mode

A grid-integrated HTSE plant is expected to operate in the normal operating mode for the majority of
the time, with interruptions in hydrogen production generally occurring for up to several hours per day
during peak electricity-demand periods. During the interruptions in hydrogen production, the HTSE plant
would be operated in a hot-standby mode. The hot-standby mode would cease hydrogen-production
operations in order that maximal energy output from the nuclear plant could be dispatched to the
electrical-grid. Because the HTSE plant would need to be quickly brought back online at the end of the
period of peak-electrical demand, the hot-standby mode is designed to maintain HTSE process conditions
necessary to support a rapid resumption of hydrogen-production operations. This involves the continued
circulation of process fluids to keep the process equipment operational and at temperatures, pressures, etc.
Because the hot-standby operating mode continues to circulate process and HTFs, the HTSE process-
energy requirements are not eliminated during hot-standby mode. Instead, both electrical power and
thermal power input requirements remain, albeit at a much lower rate than during normal operations.
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A dedicated HTSE plant would not be expected to use the hot-standby operating mode. Instead, a
dedicated HTSE plant would maximize the time spent operating in the normal operating mode (resulting
in a high capacity factor) in order to fully use the capital investment and provide a steady supply of
hydrogen to customers. The hot-standby mode is, therefore, only applicable in the evaluation of grid-
integrated HTSE plant-operating scenarios (e.g., RAVEN model-optimization analyses).

To estimate hot-standby mode electrical- and thermal-energy demands, the HYSYS model was
modified with a set of operating conditions representative of the hot-standby energy mode. The HYSYS
model hot-standby energy-requirement estimates represent steady-state operation of hot-standby mode.
The process model hot-standby operating mode was configured using the following specifications:

e Stack operating temperature, pressure, inlet composition maintained at nominal values using TDL
steam generator, process, and sweep-gas blowers, electric topping heaters, and recycle of stack outlet
H»/H20 process gas and H, from product recovery.

e All of the design-point stack-inlet flow rate (process gas and sweep gas); stack process gas inlet
composition maintained at design point specification (10 mol% hydrogen in process gas-inlet stream
to maintain reducing process conditions; process-gas recycle provides a source of hydrogen in stack
inlet stream).

e None of the stack power during hot-standby mode; stack outlet composition is equal to stack inlet
composition during hot-standby operating mode (no steam usage); since greater than 90% of design
point process electrical power requirements are used to power stack operations. This specification
represents the largest single reduction in process-energy consumption associated with the hot-standby
operating mode.

e The flow rate of steam entering the product-purification area is maintained at the design point value
(the total H, + H,O flow rate entering the product-purification area during hot-standby operations
decreases because no hydrogen production occurs). Maintaining the design-point steam-inlet flow
rate minimizes changes in heat load to the product-recovery area condensing equipment. Because the
steam condensate collected in the product recovery area serves as the steam-generator feedwater
source during hot-standby mode, the steam-generator thermal load is decreased accordingly (the net
process feedwater input requirements are zero during hot-standby mode because no hydrogen is
produced; the hot-standby process thermal-energy demands correspond to the heat needed to vaporize
the process water that is recirculated between the stack and the product-recovery area).

e The high-pressure product compressor is shut down because no hydrogen is produced during hot-
standby operation, and all hydrogen exiting the product purification area is recycled to the stack inlet.

3.1.2.4 SOEC performance degradation

Actual annual hydrogen production may vary from the design production capacity for several reasons.
In a grid-integrated HTSE system, annual production will be reduced in proportion to the time that the
HTSE plant is taken offline so that power generation from the nuclear plant can be dispatched to the
electrical-grid. In a dedicated hydrogen-production HTSE system, any plant outages (due to maintenance,
NPP refueling, etc.) will reduce the HTSE plant capacity factor such that the actual annual production rate
is less than the design production rate. In addition to plant outages and/or interruptions in production
activities, the HTSE plant’s hydrogen-production capacity is also affected by cell-performance
degradation that occurs over the service life of each SOEC stack.

The design basis specifies constant voltage mode; therefore, cell degradation results in a decrease in
the electrical current that passes through the cell during normal operations. Decreased current results in
decreased stack power consumption and a proportional decrease in stack hydrogen production. Therefore,
cell degradation results in a decrease in the overall HTSE operating-capacity factor beyond the reductions
in capacity factor associated with HTSE plant standby and outage periods.
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The HFTO Hydrogen Production Record used as the data source for the base case HTSE analysis
specifies a 4-year stack service life.*® A degradation rate of 1.2%/1000 hr with an end-of-life stack
performance of 67% was specified in this analysis; this value corresponds to the stack end-of-life
performance projected from the degradation rate specified in the H,A future central SOEC model version
3.101.%8

Based on the specified degradation rate, the production capacity would be reduced to 90.6% at the
end of 1 year of operation. The system design basis specifies that annual stack replacements will be
performed to restore design production capacity. When the stack performance is averaged over the annual
replacement schedule, the actual system production rate is calculated as 95.3% of the design production
rate. Multiplication of this factor with the percentage of time within each operating year that the HTSE
plant is online provides the net operating capacity factor.

3.1.3 HTSE Process Model Performance Estimates

The LWR-HTSE process-material balances, process-energy requirements, and process efficiency are
summarized in Table 11. LWR-HTSE process summaries are provided for a design based on use of both
Prairie Island nuclear units as well as for a design based on the single Monticello nuclear unit.
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Table 11. LWR-HTSE process summary.

Prairie Island 2 Monticello 1
Nuclear Unit Nuclear Unit
Parameter Design Design Notes
Plant Design 1032 MW-¢ 597.3 MW-¢
Capacity
Design Hydrogen 662 tonnes/day 383 tonnes/day
Design Capacity
Availability Factor 95% 95% HTSE plant operating time; corresponds to
availability of nuclear plant [time]/[time]
Cell Degradation 95.3% 95.3% Adjustment to production rate due to cell
Factor degradation
Operating Capacity | 90.5% 90.5% Ratio of actual production rate to design
Factor production rate. Calculated as product of
availability and cell degradation factors.
Actual Hydrogen- 599 tonnes/day 347 tonnes/day
Production Rate
Process Power
Requirement,
Normal 1032 MW-e 597.3 MW-e
Electrical (design 177.5 MW-t 102.7 MW-t
condition)
Thermal (design
condition)
Process Power
Requirement, Hot-
Standby 8.8 MW-¢ 5.1 MW-e
Electrical 33.7 MW-t 19.5 MW-t
Thermal
Specific Energy
Consumption 37.4 kWh-e/kg H, | 37.4 kWh-e/kg
Electrical 6.4 kWh-t/kg H. Ho
Thermal 6.4 kWh-t/kg H»
System H; 88.9% higher 88.9% HHV Energy content of product H, divided by
Production heating value basis electrical energy equivalent input
Efficiency (HHV) basis
Utilities
Process Water 69 kg/s [1.1 k gpm] | 40 kg/s [0.6
Feed Rate 1334 kg/s [21 k kgpm]
Cooling Water gpm] 772 kg/s [12
Circulation Rate kgpm]

Electrical and thermal power requirements by equipment type are shown for the Prairie Island LWR-
HTSE process design in Figure 36 and for the Monticello LWR-HTSE design in Figure 37.
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Figure 36. Prairie Island LWR-HTSE electrical- and thermal-power requirements (design point).
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Figure 37. Monticello LWR-HTSE electrical- and thermal-power requirements (design point).

3.1.4 HTSE Process Design Considerations
3.1.4.1 LWR/HTSE integration
3.1.4.1.1 Design Basis (for Preliminary Design and Cost Estimation Purposes)

In the appendix is found a full listing of the equipment used to establish estimates of the system’s
capital costs. A subset of the HTSE system design equipment that exists at the interface of the
LWR/HTSE systems is listed in Table 12. Table 12 also includes equipment with functionality that may
exist separately in both the LWR and the HTSE plant. Although this equipment is included in the INL
HTSE system design basis, it is possible that the LWR systems identified (water purification, process

44



cooling, and process control) may be modified for use with the HTSE installation such that purchase and
installation of separate HTSE-specific equipment items is not required.

The HTSE design basis described herein is subject to change based on NPP facility selection, TDL
HTF, and SOEC technology selected for prospective final system design. Considerations which may
impact the final system design, including the reinjection point for the SEL condensate, the number of
LWR units from which nuclear process heat is extracted, and the TDL HTF selection are discussed in
additional detail in Section 3.1.4.2.

Table 12. LWR/HTSE system interface equipment (the list includes NPP water-purification and cooling-
system equipment that could potentially be leveraged for HTSE system operations).

Equipment System

Backup Electric Boiler Nuclear Process Heat Delivery System

PIPE-201 Nuclear Process Heat Piping (supply) Nuclear Process Heat Delivery System

PIPE-202 Nuclear Process Heat Piping (return) Nuclear Process Heat Delivery System

P-201 Nuclear Process Heat Circulation Pump Nuclear Process Heat Delivery System

HX-201 Nuclear Process Heat TDL HX Nuclear Process Heat Delivery System

HX-202 Nuclear Process Heat TDL HX Nuclear Process Heat Delivery System
Therminol-66 HTF Nuclear Process Heat Delivery System
Rectifier/Power Supply Electrical Power Transport & Distribution System
Disconnect Switch Electrical Power Transport & Distribution System
Transformer Electrical Power Transport & Distribution System
Switch Board Electrical Power Transport & Distribution System
DC Bus Power Distribution Electrical Power Transport & Distribution System
Power Pole Lines Electrical Power Transport & Distribution System
Purified Water Storage Tank Feedwater Purification & Storage System
PIPE-801 Feed Water Supply Piping Feedwater Purification & Storage System

P-801 Feed Wat